Waterflooding for enhanced oil recovery requires that injected waters must be chemically compatible with connate reservoir waters, in order to avoid mineral dissolution-and-precipitation cycles that could seriously degrade formation permeability and injectivity. Formation plugging is a concern especially in reservoirs with a large content of carbonates, such as calcite and dolomite, as such minerals typically react rapidly with an aqueous phase, and have strongly temperature-dependent solubility. Clay swelling can also pose problems. During a preliminary waterflooding pilot project, the Poza Rica-Altamira oil field, bordering the Gulf coast in the eastern part of Mexico, experienced injectivity loss after five months of reinjection of formation waters into well AF-847 in 1999. Acidizing with HCl restored injectivity.
During a preliminary waterflooding pilot project in 1999, a maximum injection rate of 4,000 BPD was applied to well AF-847. Figure 2 shows the pressure and water injection rate during the initial 5 months of the injection experiment. Increasing injection rates from 240 BPD to 4000 BPD caused a pressure rise from 50 bar to 230 bar, whereby initial pressure conditions were not recovered during intercalated fall-off tests (Q=0 BPD). After 167 days of injection, the well capacity decreased to 1,920 BPD. Acidizing with 15% HCl partially restored the primary injectivity of the well, as injection rate increased to 2,500 BPD. This paper presents selected results from a study undertaken to develop guidelines for an appropriate treatment of reservoir water from the Poza Rica collector station (Central de Almacenamiento y Bombeo Poza Rica) before its injection into the Chicontepec reservoir of the Agua Fría field. Specific issues addressed include the following.
• Define mechanisms and chemical, physical-mechanical and biological processes that may cause plugging of the injection interval.
• Characterize materials causing scale formation in fractures and pores.
• Design a practical treatment procedure for reservoir water for its injection into the oil reservoir.
In general, the design of a treatment process for injection water shall support the waterflooding project of the enhanced oil recovery program, especially to prevent installation damage and reservoir scaling of the Chicontepec reservoir of the Agua Fría field. This paper presents results of laboratory flow experiments at core-scale and numerical simulations with the TOUGHREACT code for chemically reactive flows to reconstruct potential chemical and physical processes during the injection of untreated and treated connate formation water into the Agua Fría oil reservoir. 
Methods -Flow experiments
The laboratory flow experiments were designed to monitor permeability changes (by means of pressure measurements), using a specific fluid with a determined hydrochemical composition under certain pressure and temperature conditions. Observed changes of the core permeability can be attributed to physicalchemical processes, such as pore obstruction by suspended particles, organic material, clay swelling, and precipitation or dissolution of minerals. Besides the continuous monitoring of permeability changes of the core, the comparison of the chemical and mineralogical composition of the fluid and core before and after the flow experiment indicate dissolution and/or precipitation processes. As no drill cores are available from the proposed injection wells, samples were selected as representative as possible from analogous lithological core sections from adjacent production wells. The density of dry rock, pore volume and effective porosity were determined under surface conditions using techniques recommended by the American Petroleum Institute 3 . The absolute permeability to gas was obtained experimentally using Darcy´s law.
Inlet and outlet water samples were stored in HDPE bottles, pre-filtered with 0.45 µm Millipore filters, acidified with HNO 3 -Suprapur, and analyzed for their major, minor and trace element composition. Mineralogical analysis and clay speciation were obtained by X-ray diffraction.
Numerical approaches

Main features of the model
The numerical simulation tool TOUGHREACT was developed by introducing reactive chemistry into the framework of the existing multi-phase fluid and heat flow code TOUGH2 4 . Flow and transport in geologic media are modeled based on space discretization by means of integral finite differences 5 . An implicit timeweighting scheme is used for the individual components of the model consisting of flow, transport, and 7 . The TOUGHREACT model can be applied to one-, two-, or three-dimensional porous and fractured media with physical and chemical heterogeneity. The model can accommodate any number of chemical species present in the liquid, gas and solid phases. A wide range of subsurface thermo-physical-chemical processes is considered. Major processes for fluid and heat flow are: (1) fluid flow in both liquid and gas phases occurs under pressure and gravity forces; (2) capillary pressure effects are considered for the liquid phase; and (3) heat flow occurs by conduction, convection and diffusion. Transport of aqueous and gaseous species by advection and molecular diffusion is considered in both liquid and gas phases.
Changes of porosity and permeability
Laboratory experiments have shown that modest reductions in porosity from mineral precipitation can cause large reductions in permeability 8 . Detailed analysis of a large set of field data also indicates a strong dependence of permeability on small porosity changes 9 . The convergent-divergent nature of pore channels explains the possible plugging of pore throats by precipitation while disconnected void space remain in the pore bodies 10 . To evaluate the effects of a sensitive coupling of permeability to porosity, the following Verma-Pruess equation 10 was applied for Zone 1 (Distance from injection well: 0 m -20 m):
where φ c is the value of "critical" porosity at which permeability goes to zero, and n is a power law exponent 7 . Parameters φ c and n are medium-dependent.
For Zone 2 (Distance from injection well: 20 -200 m), a cubic law was employed.
where k i and φ i represent the initial permeability and porosity, respectively. This law yields zero permeability only under the condition of zero porosity. The Verma-Pruess model for permeability reduction (Eq. 1) is applicable on smaller scales, while on larger scales less severe permeability loss would be expected from porosity reduction. Accordingly, Eq. (1) is used within 20 m distance from the injection well, while the Kozeny Eq. (2) is used at larger distance 11 .
Results
Batch-experiments: Calibration of numerical modeling with laboratory coreflood experiments
In order to assess the realism of numerical simulations with TOUGHREACT for the injection process into the Agua Fría reservoir, data from laboratory flow experiments were compared with numerical results. Both distilled water and formation water were injected into representative reservoir cores on a laboratory scale in order to correlate changes in permeability with possible alterations in rock mineralogy and fluid chemistry.
Distilled water
Core experiments with distilled water
A Klinkenberg permeability (K L ) of 292 millidarcies and an effective porosity of 12% were measured for a representative, 1.5" sandstone core from the injection interval ("Cuerpo 70") from the well Coapechaca-595 (depth: 1,662.68 m) after a previous cleaning process with solvent and drying at 95 o C. As clay mineral structure collapses at much higher temperatures (kaolinite up to 600°C, chlorite above 600°C) and leads to a slight increase in porosity 12 , the applied drying technique, based on the Norm API RP 40 "Recommended Practices for Core-Analysis" 3 , will remove all free pore water while maintaining the proper hydration state of swelling clays. To prepare the core for the following flow experiment, the sample was saturated with distilled water for two days under vacuum and pressurized conditions (100 kg/cm 2 ), whereby clay swelling caused probably the decrease of the initial permeability from 292 to 60 mD. During the subsequent laboratory experiment with distilled water at a flow rate between one cm 3 /min (initial stage) and eight cm 3 /min (final stage) at 25 o C, permeability increased from 60 to 174 mD within a time period of 407 min (0.28 d) at a total throughput of 148 pore volumes (1080 mL) (Fig. 3) A K L value of 316 mD, measured at the same core after the flow experiment and after drying at 95 o C, confirms a slight increase of the initial Klinkenberg permeability (from 292 to 316 mD) due to chemical reactions during coreflooding. The increase of solute concentrations in the core outflow, especially in Ca 2+ , SO 4 2-and HCO 3 -(Column 4 in Table 1 ) confirms the occurrence of carbonate and sulfate mineral dissolution. 
Numerical simulation of the core experiment
Chemical analytical data from distilled water were applied as input parameters (Column 2 in Table 1 ). Petrophysical core characteristics are given in Table 2 , and the mineralogical composition was taken from the applied core 2 from the well Coapechaca-595 ( Table 3) . As a result, permeability increases from an initial value of 60 mD to 72 mD in a time period of 0.28 days (407 min). The trend continues linearly to maximum values of 92 mD after 2 days (Fig. 3) . Variations of the permeability in respective core sections at different distances from the core inlet are insignificant. The main reason for the increase of the core permeability is the dissolution of host rock minerals (mainly calcite dissolution). A maximum dissolution of 0.015% of the total rock volume occurs close to the inlet after 0.28 days of simulation, and 0.03% after 2 days. 
Comparison of the flow experiment with simulation data
Both laboratory experiments and numerical simulations resulted in a linear temporal trend of increasing permeability, correlated with decreasing pressure conditions, during coreflooding with distilled water (Fig.  2) . Numerical modeling is underestimating the rate of permeability increase observed in the experiment, which suggests that (1) additional physical-chemical processes may operate and (2) parameters used for reaction kinetics and porosity-permeability relationship may not accurate. Major support for the occurrence of water-rock interactions during coreflooding derives from an analytical comparison between inlet and outlet fluid composition. The enrichment in Ca 2+ , HCO 3 -and Fe 2+ is generally consistent between simulated scenarios and flow experiments. However, concentrations of Ca 2+ , HCO 3 -at the outlet are higher in the simulation than those in the experiment. This is because calcite was specified as equilibrium in the simulation. In fact, calcite dissolution is kinetically-controlled for this experiment scale. Chemical components such as SO 4 2-, Sr 2+ , K + and SiO 2 (aq.) are shown to be chemically reactive during the coreflood experiment. The higher concentrations of SO 4 2-and Sr 2+ in the experiment may indicate that coelestine (SrSO 4 ) is present initially as a primary mineral, but was not specified in the input of the simulation. The higher concentrations of SiO 2 (aq.) and K + in the experiment may suggest their bearing minerals present in the primary mineral assemblage.
Reservoir water 2.1. Core experiments with reservoir water
A representative sandstone core from the injection interval ("Cuerpo 70") from the well Coapechaca-595 at a depth of 1,663.13 m was used for the flow experiment. Based on the norm API RP 40 "Recommended Practices for Core-Analysis" (API 1998), a Klinkenberg permeability of 464 millidarcies to gas and an effective porosity of 14% were measured for the 1.5" core, under hydrostatic condition with a stable confining pressure of 56 kg/cm 2 (822.8 psi). The cleaning and saturation process is similar to the previously described coreflood case for distilled water. Clay swelling as a dominant process under static conditions caused significant permeability decrease from 464 to 220 mD over a 3-day saturation period. During the laboratory experiment with reservoir water at 25 o C, K L decreased from 220 to 78 mD within a short time period of 52 minutes with a flow rate between 2.0 cm 3 /min (initial stage) and 1.5 cm 3 /min (final stage) and a total throughput of 12 pore volumes (93.1 mL) (Fig. 4) . In continuation, experimental conditions were gradually switched to T = 80 o C in order to simulate the arrival of tepid water at the heated reservoir. Within a time period of 80 minutes and a flow volume of 80 mL, K L continued to decrease from 78 to 50 mD. Continuing flow at 80 o C for 310 minutes and a total flow volume of 620 mL (Q=1.0 cm 3 /min@K L =50->42 mD, Q =2.0 cm 3 /min@K L =40->8 mD) caused a low-level stabilization around 10 mD. Although continuing for additional 480 minutes with a total flow volume of 920 mL, K L values remained relatively stable between 8 and 10 mD. As flow rate has been changed during the coreflood experiment, a direct comparison between pressure behavior and permeability should be made under identical flow rate conditions. Figure 5 shows the general increase of ∆P with decreasing permeability during the coreflood experiment, e.g from 0.071 atm (1.04 psi) at 220 mD to 0.131 atm (1.92 psi) at 118 mD at a constant flow rate Q of 2.0 cm 3 /min. Comparing the mineralogical composition of the core before and after the flow experiment, especially the inlet part of the core presents increasing intensity peaks on the X-ray diffraction diagram, indicating the accumulation of secondary minerals. Figures 6 and 7 show by block-surrounded spaces the net increase between the primary and final composition of individual mineralogical peaks, and grey-filled blocks indicate depleted peaks by probable dissolution processes.
It is important to mention, that this method yields approximate results due to instrumental and matrix absorption effects. The interpretation of X-ray diffraction diagrams is of semi-quantitative character, as comparison is realized by normalizing the strongest peak to an identical size for each graph. The precipitation of calcite dominates in the inlet part, although the formation of secondary dolomite, ankerite and quartz is also indicated. As a principal observation, the inlet part of the core is dominated by precipitation processes (block-surrounded spaces in Fig. 6 ), whereas dissolution is dominant in the outlet section (grey-filled blocks in Fig. 7) .
The decreasing concentrations of aqueous solutes, especially of Ca 2+ , HCO 3 -and SO 4 2- in the outflowing fluid sample in comparison to the original reservoir water composition (Table 4) , confirm the precipitation of carbonate and sulfate minerals under oversaturated conditions. 
Numerical simulation of the core experiment
Chemical analytical data from reservoir water were applied as input data (Table 4) , and the mineralogical composition was taken from the applied core 2 from the well Coapechaca-595 (Table 3) . Petrophysical parameters for a 1D simulation of the core flood experiment are given in Table 2 . The power law exponent n Therefore, if permeability is dominated by fractures and precipitation occurs uniformly on the fracture surfaces, the parameter n is 2. For field-scale media, ideally parameters φ c and n in Eq. 1 should be calibrated from field experiment data, as demonstated in Xu et al. (2004) 16 who calibrated these two parameters using observed injection indexes to reproduce the loss of injectivity due to silica precipitation. The relationship of Eq. 1 captured very well the steep loss of injectivity, and the simulated amounts of precipitated amorphous silica was consistent with the estimated amounts from field data.
The main reason for the decrease of the core permeability is the precipitation of the secondary minerals calcite (CaCO 3 ) and coelestine (SrSO 4 ). A maximum calcite precipitation of 0.053% of the total rock volume occurs at the inflow section of the core after 0.6 days of simulation (Fig. 8) . 
Comparison of flow experiment with simulation data
Measurements of fluid compositions before and after the flow experiment confirm the simulated precipitation of calcite, as pronounced decreases were observed for HCO 3 -and Ca 2+ . In addition, the reduction of SO 4 2-and Sr 2+ concentrations confirm the precipitation of the sulfate mineral coelestine (Table  4 ). For HCO 3 -, the simulated decrease from 1281.2 mg/kg to 479.6 mg/kg is in excellent agreement with the observed final decline from 1281.2 mg/kg to 473.7 mg/kg during the flow experiment (Fig. 9) . In general, agreement between simulated and experimental solute concentrations is good overall. However, a slight decrease of Sr 2+ concentration in the experiment, but a large decrease of this component in the simulation (Table 4) suggests that coelestine (SrSO 4 ) precipitation is kinetically-controlled for this experiment scale rather than equilibrium specified in the simulation. Unchanged Ba 2+ concentrations in the experiment, but a large decrease of this component in the simulation (Table 4) suggests that barite (BaSO 4 ) precipitation essentially does not occur in the experiment and it should be removed or specified by a very small kinetic rate in the simulation. A very slight increase of Fe 2+ concentration in the experiment, but a large increase of this component in the simulation suggests that ankerite adundance may be small in the primary mineral assemblage and/or a small kinetic rate for ankerite dissolution. Comparing the permeability decrease in the flow experiment with simulated results, a far more pronounced decrease of the permeability is observed during the laboratory experiment (Fig. 4) . The strong decrease of the permeability during the flow experiment is caused by several distinct processes. The decrease under static (no flow) conditions is attributed mainly to clay swelling, whereas under dynamic flow conditions, various processes contribute to permeability reduction, including thermal effects due to heating of the flow system, pore plugging by suspended particles and organic material, and the precipitation of secondary minerals. A separate quantification of the individual processes is extremely difficult. About 20%, which corresponds to the permeability decline from 220 mD to 131.6 mD, may be attributed to precipitation of secondary minerals, whereas an estimated 80% of the permeability reduction may be attributed to clay swelling, confining effects and other processes during static (from 464 to 220 mD) and dynamic conditions (from 131.6 to 10 mD). While, numerical simulations with TOUGHREACT consider exclusively mineral dissolution and precipitation. Table 5 ) separated by low to impermeable clay-rich units. Several geophysical borehole log methods (GR-gamma ray, RIL-induction log, DIL-deep induction log, SFL-spherical focused log, NCresistivity) and seismic reflection have been applied in order to distinguish fracture zones, porosity characteristics and clay content of the reservoir section, as shown on lateral sides of the lithological columns in Figure 9 .
In order to explore possible chemical reactions during the injection process, the 50 m thick "Cuerpo 90" of the well AF-846 with a planned injection rate of 821 BPD [1.51 kg/s] was selected as prototype for a onelayer numerical model. The 1-D-layer was divided into 80 grid blocks, with 30 blocks from 0 to 20 m from the injection well, 30 blocks from 20 to 200 m, and 20 blocks from 200 to 5,000 m (Fig. 11) . Initial reservoir temperature and pressure were taken as average values of 80 o C and 240 bar from actual PT-data at the injection interval. A constant injection temperature of 30 o C was assumed. The uncertainty of field conditions was addressed by a sensitivity study for reservoir permeability and porosity. The application of the TIXIER equation 13 on petrophysical logs from the Agua Fría injection wells resulted in reservoir permeabilities (K L ) between 0.1 mD and 10 mD as in the representative case of Figure  10 , whereas laboratory flow experiments with dry cores resulted in Klinkenberg permeability values between 0.009 mD and 620 mD 14 . Additionally, the common application of artificial fracturing during the initial stage of well conditioning could increase considerably the low natural permeability of the reservoir in the vicinity of the injection wells. Effective porosity (φ eff ) values between 1.6% and 16.3%, measured from 83 cores of the Agua Fría and Coapechaca wells reflect the heterogeneous petrophysical conditions of the reservoir 14 . In order to evaluate a possible range of conditions, a reference case with parameters considered most representative (Case 1: K L = 50 mD, φ eff = 16.3%) is discussed and compared with an optimistic case (Case 2: K L = 500 mD, φ eff = 16.3%), and a more pessimistic "worst" case (Case 3: K L = 5.0 mD, φ eff = 12.0%) ( Table 6 the reservoir is defined as the case, when critical porosity is reached (eq. 1) at which permeability goes to zero, and injection pressure exceeds original reservoir pressure (240 bar) by 60 bar. 
Geochemical data
Homogeneous, detritic lithoarenites with optimum Klinkenberg permeability (620 millidarcy) and effective porosity values (16.3%) were chosen as representative rock types for the injection interval. The type and initial abundance of primary minerals of the reservoir were taken from mineralogical analysis from Cuerpo 90 (Core 3) at a depth of 1753.72 m from well Coapechaca-595. The abundance of 2 to 4% of clay minerals, mainly kaolinite and illite, determined semi-quantitatively by X-ray diffraction, was specified for a total of 100% ( Table 7) . Carbonate and sulfate minerals were assumed to react at local equilibrium because their reaction kinetics is typically quite rapid. Other minerals were set to react under kinetic constraints. Thermodynamic data were mainly taken from the EQ3/6 database 15 , and kinetic data were from Xu et al. (2006) 7 . The kinetic constraints for all minerals, except dolomite with precipitation preferences, were set to allow precipitation and/or dissolution. The activation energies and surface areas for the kinetic minerals are also given in Table 7 .
The chemical composition of the injected brine was specified from analytical data from representative field samples, taken from the collector station Central de Almacenamiento y Bombeo (CAB) Poza Rica in March 2005. Column 2 and 3 in Table 4 show the concentration of the primary aqueous components of formation water considered for injection.
Based on the aqueous species present, a total of 40 aqueous complexes were selected from the TOUGHREACT thermodynamic database as having a potential to be formed during injection ( Table 8) . 
Case 1 (Reference case):
Assuming an initial K L value of 50 millidarcies (mD) and elevated φ eff of 16.3%, the injection of untreated native reservoir water is found to cause plugging of the reservoir after 130 days. During this time period, the initial reservoir pressure of 240 bar increased to 296.2 bar close to the well screen, inhibiting the further injection of fluids (Fig. 12a) . A relatively small decrease of the effective porosity from 16.3% to 13.5% (Fig. 12b) causes a strong drop of the permeability from 50 mD to 0.93 mD (Fig. 13) . Chemical reactions affect the reservoir permeability exclusively to a distance of 2.5 m from the injector well, whereas the original permeability of 50 mD and 10 mD at a distance of 10.1 m and 52.0 m, respectively, remains unchanged.
The strong decrease of the injectivity of the host formation is due to the continuing precipitation of secondary minerals, mainly calcite (CaCO 3 ) (Fig. 14a) and coelestine (SrSO 4 ), which is promoted by the retrograde solubility of these minerals. After 130 days, a maximum of 2.24% and 0.85% of the total formation volume around the injection well is filled by secondary calcite and coelestine. Simultaneously, a minor amount of 0.27% of the total formation volume of the mineral ankerite [Ca(Fe, Mg, Mn)C 2 O 6 ], has been dissolved 20 cm from the well screen, but this effect is superimposed on generally oversaturated conditions (Fig. 14b) . Other minerals are non-reactive, or with negligible impact on the hydraulic behavior of the formation.
Changes of the mineralogy due to water-rock interaction processes should also be reflected in variations of the fluid composition. As calcite and coelestine represent the principal precipitating minerals, their aqueous components HCO 3 -, Ca 2+ , Sr 2+ and SO 4 2-are expected to decrease in concentration during injection. The kinetic rate of calcite is fast, therefore the input concentrations of the model re-equilibrate instantaneously at the beginning of simulation. Calcite precipitation causes a decrease of Ca 2+ from 3.1 x 10 -2 mol/kg to a stable concentration of 2.7 x 10 -2 mol/kg close to the well screen. Lower temperatures close to the injection well, caused by the 30 o C-temperature injection plume, allow a higher solubility for calcite and higher concentrations for HCO 3 -and Ca 2+ than in zones with original reservoir temperatures of 80 o C. The increase of their concentrations at a distance of 10 m is due to a moving temperature front, while hydrochemical conditions remain stable at a distance of 50 m because of a constant temperature of 80 o C (Fig. 15a) . The propagation of the temperature front (Fig. 16) from the injection well into the formation is gradually cooling the reservoir, increasing concentrations of HCO 3 -and Ca 2+ (Fig. 15b) due to increasing calcite solubility. Fig. 12a) . Changes of the primary porosity at different times (10, 30, 90, 130 days) to a distance of 5 m from the injector well (Fig. 12b) . Fig. 15a) . Ca 2+ concentrations at different times (10, 30, 90, 130 days) to a distance of 50 m from the injector well (Fig. 15b) . 
Case 2 (Optimistic case):
In the optimum case of abundant artificial fracturing within the injection interval, an average horizontal permeability of 500 mD is applied as input data for initial reservoir conditions. In comparison to the previous case, the increase from 50 mD to 500 mD does not significantly affect the chemical pattern of water-rock interaction, because the same injection rates were applied, but causes a slightly lower velocity for well plugging. The rise of reservoir pressure from 240 bar to 300 bar is extended from 130 days (Case 1) to 145 days (Case 2).
Case 3 (Worst case):
In order to simulate a potential lower permeability scenario, an initial value of 5 mD was selected for K L and the initial φ eff value was reduced from 16.3% to 12.0%. As a general result, less favorable hydraulic conditions accelerate the process of scale deposition. Within a period of 30 days, reservoir pressure increases from 240 bar to 347.4 bar due to the reduction of pore space from 12.0% to 11.46% close to the injection well (Fig. 17) . Continuing the simulation up to 60 days, pressure is rising to unrealistic values (severe plugging) above 700 bar. Similar to the previous cases, the permeability is reduced (from 5 mD to 1.5 mD) by the precipitation of calcite and coelestine. The affected zone is limited to a radial distance of less than 10 m around the injection well.
It can be concluded that the injection of untreated formation water into the oil reservoir will cause plugging of the injection interval. Variations of the primary permeability and porosity alter the time scale of plugging. Assuming a low permeability of 5 mD (Case 3), the reservoir pressure rises to 300 bar within 24 hours of injection. Complete plugging of the reservoir by mechanical obstruction and mineral precipitation is predicted to occur after 30 days ( Table 9) . Larger K L values of 50 mD (Case 1) or 500 mD (Case 2) can extend the time period for formation plugging to between 130 to 150 days. Step-like injection rates and intermediate fall-off stages during the waterflooding pilot project in well AF-847 (see Introduction) make the direct comparison with present simulation results difficult. Selecting the injection stage 3 with a similar injection rate for AF-847 (Q=960 BPD, with a time step from 378 h to 547 h in Fig. 2 ) as applied for simulation (Q=821 BPD), the resulting net pressure increase of 45.6 bar in 7 days (from 95.3 to 140.9 bar, Fig. 2 ) lies within a comparable range as the simulated case studies, with ∆P of 2 bar, 15 bar and 110 bar for the optimistic case 2, for reference case 1 (Fig. 12a) , and the pessimistic case 3, respectively. ) and presence of bicarbonates, sulfur, silica, barium, iron, and organic material (grease and oil, chemical oxygen demand, total organic carbon, color) may cause mineral precipitation and pore clogging during the injection process. The treatment technology for purifying reservoir water was focused on the removal of the mentioned contaminants by softening with lime and Na 2 CO 3 , oxidation with H 2 O 2 , acidizing to remove carbonate solutes, filtration with sand columns and adsorption with activated carbon 14 . In order to corroborate the efficiency of the treatment design, numerical simulations were performed with treated water, derived from laboratory experiments with the designed treatment sequence. Petrophysical and mineralogical input parameters were maintained from Case 1 with the modified chemical composition of reservoir water ( Table 10 ).
Injection of treated water into the oil reservoir
The applied treatment process improves considerably the injectivity of the well and the flow capacity of the reservoir. Injecting at a rate of 1.51 kg/s into a 50 m-thick layer, the porosity and permeability of the host rock increases from 16.3% and 50 mD to maximum values of 19.7% and 210.9 mD, respectively, within 180 days (Fig. 18) . The increase of pore space promotes stable pressure conditions in the reservoir, which rise only slightly from 240.0 bar to 259.7 bar close to the well screen (Fig. 19) . The simulation results indicate that the main reason for stable hydraulic conditions of the reservoir is the lack of precipitation of secondary minerals. In contrast, under-saturated conditions of the injected fluid cause the dissolution of calcite (Fig. 20) and ankerite minerals from the host formation. In general, using treated water that performed well in the laboratory flow experiments was found to avoid excessive precipitation, and allowed injection to proceed. Petrophysical coreflood experiments with treated reservoir water and identical core material used for the untreated coreflood case (Chapter 2.1. "Cuerpo 70" from well Coapechaca-595) show a similar decrease in permeability as shown for the untreated water case, as geomechanical effects are dominating flow-through behaviour. On the other hand, chemical analyses of the inlet and outlet water samples represent best indicators for chemically reactive processes during the coreflood experiment. Similar as in the model prediction, CO 3 2-, SO 4 2- 
Permeability limitations of the reservoir
The removal of specific solutes from the reservoir water allows the continuous injection into the Agua Fría reservoir without well plugging by precipitation of secondary minerals, as shown in the previous section. On the other hand, low-permeable conditions could represent a natural limitation for the migration of fluids within the pore space. In the case of the Agua Fría reservoir, petrophysical logs show a natural permeability range between 0.1 and 10.0 mD without considering the possible existence of artificial fracturing. In the hypothetical case of injecting treated water under reduced permeability conditions of 5 mD -in contrast to 50 mD in the previous section -chemical reactions are dominated by physical processes.
Similar to the 50 mD case, calcite and ankerite dissolve during injection, causing increasing permeability (from 5.0 to 22.3 mD, Fig. 22 ) and porosity (from 12.0 to 14.7%). On the other hand, the pressure rise from 240.0 bar to maximum values of 408.1 bar after 180 days indicates that, although a significant increase of porosity and permeability occurs from dissolution processes, the planned injection rate (1.51 kg/s within a 50 m thick layer) cannot be maintained for permeability as low as 5 mD (Fig. 22) .
In the present case, mineral dissolution does not represent the determining factor to define the potential for water injection; instead, low permeability of the reservoir is the limiting parameter for the capacity of the injection well. Treatment of the fluids will prevent scaling and formation plugging during the injection process, but low permeability conditions can be a natural limitation for injection rates. 
Discussion
Water injection into the Chicontepec reservoir of the Agua Fría field would cause progressive plugging if untreated reservoir water were used, due to precipitation of secondary minerals, especially calcite and coelestine. Fast chemical reactions of calcite restrict the plugging to a limited radial distance of 2.5 m around the injection well. The injection of tepid fluids causes the gradual radial cooling of the reservoir, whereby increasing calcite solubility induces rising HCO 3 -and Ca 2+ concentrations. Depending on the selected input value for the primary permeability of the host formation, a time period between 30 and 150 days is postulated as maximum life-time for the injection wells, before plugging by scaling would cause unacceptable pressure rise. The injectivity loss after five months of waterflooding of the well AF-847, performed as a pilot project in 1999, is consistent with the simulated time period for formation plugging. The precipitation of carbonate minerals is also reconfirmed by the successful partial restoration of the injectivity of the AF-847 well by acidizing with HCl, as well as by observed decreasing HCO 3 -and Ca 2+ concentrations during laboratory flow experiments. Treatment of the reservoir water to remove selected aqueous species, especially Ca 2+ , Sr 2+ , HCO 3 -and SO 4 2-, will considerably enhance the injectivity of the injection well. Additionally, under-saturated conditions of treated water will improve permeability characteristics of the reservoir by the dissolution of carbonate minerals.
Although the proposed treatment system will avoid plugging of the injection interval by chemical processes, the simulation results show that existence of less favorable permeability conditions could limit the hydraulic capacity of the injection wells. While an injection well with K L values between 50 and 500 millidarcies allows the injection of 821 barrels per day into a 50 m thick layer, the simulated pessimistic case with a low natural permeability of five millidarcies could not accommodate such an injection rate, even if porosity and permeability near the well are being enhanced due to dissolution of carbonate minerals. In order to determine the injectivity of the selected wells, pressure transient tests or step rate tests should be performed prior to initiating waterflooding on a large scale.
Conclusions
• The numerical simulation of chemical processes during the injection of reservoir water at the Agua Fria petroleum reservoir confirms a potential risk for formation plugging due to the precipitation of carbonate minerals, mainly calcite (CaCO 3 ) and coelestine (SrSO 4 ), also indicated by the short life-time of well AF-847 during a pilot project for field injection.
• Coreflood experiments with representative cores show a faster permeability decrease than for the modeled scenarios, as clay-abundant cores are additionally affected by clay swelling effects. A quantitative measure of the extent of chemical reactivity during waterflooding is given by the analytical comparison between inlet and outlet composition of experimental fluids.
• For both petrophysical experiments and reactive modeling, a decrease of the initial Ca 2+ , HCO 3 -and SO 4 2-concentrations in the aqueous phase supports the occurence of precipitation processes during the injection.
• Field injection tests, laboratory coreflood experiments (including mineralogical and aqueous solute analysis) and reactive modeling represent a successful methological combination to evaluate the injectivity of water into oil reservoirs.
• The modeling of the lab experiments can be further improved by adjusting primary mineral composition and reaction kinetics of some minerals. The reactive transport modeling method presented here can give a detailed view of the dynamical interplay between coupled hydrologic and chemical processes, albeit in an approximate fashion. A critical evaluation of modeling results can provide useful insight into the long-term water-flooding performance.
